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1 INTRODUCTION AND OVERVIEW OF TESTIMONY  1 

 2 

Q. Please state your names and business addresses. 3 
 4 

A. Richard Silkman and Mark Isaacson, Competitive Energy Services, LLC (“CES”), 148 5 

Middle Street, Suite 506, Portland, ME 04101.  We are each founding partners of CES.  Dr. 6 

Silkman is the Chief Executive Officer and Mr. Isaacson is the Chairman of the Board of 7 

Directors.   8 

 9 

Q. Dr. Silkman, please describe your educational experience and prior work 10 
background. 11 

 12 

A. I received my B.A. in economics from Purdue University (with distinction) and my 13 

Ph.D. in economics from Yale University.  I have served on the faculties of the State University 14 

of New York at Stony Brook (1978-1983) and the University of Southern Maine (1983-1986), 15 

where I also served as the Acting Director of the Public Policy and Management Program 16 

(1986).  I was appointed by Governor McKernan to become the Director of the Maine State 17 

Planning Office (1987-1992), then a cabinet level agency with broad policy and planning 18 

responsibilities, including economic development, energy, telecommunications, taxation, 19 

budgetary, land-use management and health care.  In this capacity, I chaired a number of state 20 

level committees and multi-agency task forces and was on the Board of Directors of a variety of 21 

quasi-governmental agencies including the Maine Development Foundation, the Maine Science 22 

and Technology Commission and the Maine World Trade Association.  I also chaired a number 23 

of Staff Advisory Committees of the National Governors’ Association.  I have been a member 24 
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of the Board of Directors of the Council of Governors’ Policy Advisors (“CGPA”), an affiliate 1 

of the National Governors Association (1988-1992), and its President (1990-1991). 2 

I have served as a consultant on energy matters for a variety of clients in the United States 3 

and Canada.  My clients in the energy area have included a trade association of Maine’s largest 4 

industrial consumers of energy, a Fortune 500 multi-state retail grocery company, a consortium 5 

of consumer organizations, and a variety of municipal governments and agencies.  In 6 

representing these clients and others, I have negotiated special rate contracts with investor-7 

owned public utilities, have testified before the Maine, Massachusetts, New Hampshire, 8 

Vermont, California and Pennsylvania Public Utilities Commissions on matters of rate design, 9 

the justness and reasonableness of rates and electric utility industry restructuring, and have been 10 

actively involved in electric utility restructuring issues and legislation in a variety of states, 11 

including New Hampshire, where I was retained as a consultant by the New Hampshire 12 

Legislature to assist in the structuring and evaluation of a comprehensive restructuring 13 

settlement agreement with Public Service Company of New Hampshire. 14 

Over the past decade, I have been active in the retail energy markets through Competitive 15 

Energy Services, LLC (“CES”).  CES is one of the largest energy broker/consultants in the 16 

northeast, procuring energy for approximately 3,000 commercial and industrial accounts, with a 17 

total annual spend of more than $1 billion.  (Additional information about CES can be found on 18 

our web site at www.competitive-energy.com.) 19 

In addition to these activities, along with my partner, Mark Isaacson, I am a founding 20 

partner and principal in three energy ventures as noted below: 21 

 Beaver Ridge Wind, LLC, the developer, owner and operator of a 4.5 MW wind 22 

generation project located in Freedom, Maine.  This project began commercial 23 

operations on November 1, 2008.  It was the second commercial grade wind 24 
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generation project developed in Maine and remains the only such project in the CMP 1 

service territory.  Total project costs were in excess of $12 million. 2 

 Kennebec Valley Gas Company, LLC (“KVGC”), a company formed to develop an 3 

intra-state natural gas pipeline and to provide natural gas delivery service to 4 

customers in central Maine.  KVGC received conditional authorization from the 5 

Maine Public Utilities Commission to operate as a pipeline and distribution utility 6 

within its proposed service territory and has since sold its interest in this project to 7 

Summit Natural Gas, which is proceeding with its full-scale development.  8 

 GridSolar, LLC (“GridSolar”), a company formed to develop, manage and operate 9 

non-transmission alternatives to meet reliability requirements on electric grids and to 10 

promote the implementation of smart grid network capabilities, customer 11 

technologies and pricing structures.  12 

 13 

Q. Mr. Isaacson, please describe your educational experience and prior work 14 
background. 15 

 16 

A. I received my B.A. in history from Yale University in 1976.  I received an M.B.A. with 17 

concentrations in marketing and production from the University of Chicago in 1978.  From 18 

1978 to 1980 I was employed by Bayside Enterprises, a Maine food company in the business of 19 

processing poultry, eggs, lobsters, blueberries, and squash.   20 

 In 1980, I was hired by the newly formed Miller Hydro Group to lead the development 21 

of the Worumbo Hydroelectric Project and to manage the ongoing operation of the Edwards 22 

Hydroelectric Project.  Between 1980 and 1988, I managed all aspects of the licensing, 23 

financing, and construction of the 19.4 MW project in Lisbon Falls, ME.  After the historic 24 

Edwards fire in 1989, I managed the reconstruction of the Edwards Project in addition to the 25 
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ongoing and highly contentious dispute over the relicensing of the Edwards Dam.  In 1998, I 1 

negotiated the historic settlement of the Edwards dispute that resulted in the owners making a 2 

gift of the project to the people of Maine.    3 

 In 2000, I partnered with a former Edwards adversary, Richard Silkman, to form 4 

Competitive Energy Services, LLC (CES).  CES is in the business of assisting end users of 5 

energy products in dealing with competitive markets.  In the early years of the company I was 6 

active in all phases of its operation and had the primary responsibility for the management of 7 

CETX, CES’ Texas affiliate.  In recent years I have limited myself to overall responsibility for 8 

IT and to the development of the company’s more complex mathematical models. 9 

In 2006, I partnered with Richard Silkman and  Andrew  Price to form Beaver Ridge 10 

Wind, LLC for the purpose of developing a 4.5 MW wind project in Freedom, ME.  This 11 

project began commercial operations on November 1, 2008.  It was the second commercial 12 

grade wind generation project developed in Maine and the first in the CMP service territory.  13 

Total project costs were in excess of $12 million. 14 

In early 2009, I partnered with Richard Silkman to form Grid Solar, LLC.  GridSolar is 15 

a company established in for purposes of providing a Non-Transmission Alternative solution 16 

related to matters of electric grid reliability in Maine.  GridSolar was an active participant in the 17 

Maine Power Reliability Project proceedings at this Commission, which led to the historic 18 

settlement of that case and to GridSolar’s role as the Smart Grid Energy Services Operator for 19 

the Boothbay Pilot Project.  While I have been active in all aspects of GridSolar’s work, my 20 

primary concentration has been on developing the mathematical models for grid requirements 21 

and NTA solutions. 22 

In 2010 I partnered with Richard Silkman to form Kennebec Valley Gas Company for 23 

the purpose of bringing pipeline gas service to eleven communities in Maine’s Kennebec 24 
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Valley.  KVGC received conditional authorization from the Maine Public Utilities Commission 1 

to operate as a pipeline and distribution utility within its proposed service territory and has since 2 

sold its interest in this project to Summit Natural Gas, which is proceeding with its full-scale 3 

development.   In addition to my primary responsibility for system design and route selection, I 4 

participated in scores, of public meetings for the purpose of promoting and explaining this 5 

project to the public in each of the eleven communities.   6 

 7 

Q. Is this testimony being offered jointly? 8 
 9 

A. Yes.  We are jointly offering this testimony on behalf of the Tennessee Gas Pipeline 10 

Company, L.L.C., Industrial Energy Consumer Group (“IECG”), Maine State Building and 11 

Construction Trades Council, and United Association of Plumbers and Steamfitters, Local 716, 12 

who are  sponsoring this testimony. 13 

 14 

Q. What is the purpose of your Testimony? 15 
 16 
A. The purposes of our Direct Testimony are to provide the Commission estimates of the 17 

economic value to Maine’s electric ratepayers of incremental pipeline capacity into New 18 

England and to offer recommendations as to how the Commission might use its authority under 19 

the Energy Cost Reduction Act. 20 

 21 

Q. Please summarize your Direct Testimony. 22 
 23 
A. Our Direct Testimony includes the following points: 24 

1. The New England region is characterized by severe natural gas pipeline constraints that 25 

prohibit inexpensive natural gas from the Marcellus region of  Pennsylvania from 26 
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reaching New England to meet our region’s natural gas demands during the winter 1 

months. 2 

2. The effect of this constraint is to put upward pressure on the price of natural gas, 3 

resulting in extremely high price premiums that cost New England electricity ratepayers 4 

in excess of $3.2 billion a year and Maine ratepayers in excess of $250 million a year.1 5 

3. These price premiums are having a devastating impact on Maine businesses, especially 6 

those businesses that are energy intensive and compete in global markets where 7 

production costs are a critical factor in determining their competitiveness.   8 

4. The recently announced closure of Vermont Yankee nuclear power plant and the 9 

Brayton Point coal generating units will exacerbate the natural gas pipeline constraints, 10 

resulting in even higher price impacts in the future if the pipeline constraints are not 11 

relieved. 12 

5. The study performed by Sussex Economic Advisors (“Sussex”) for the Commission2 13 

has several methodological flaws that understate the value of increased pipeline capacity 14 

to New England and the State of Maine. 15 

6. The significant economic benefits of New England gas pipeline capacity occur as a 16 

result of current energy market conditions, not as a result of long-term forecasts.  While 17 

there are risks that market conditions may change in the medium to longer-term, 18 

investments in incremental pipeline capacity will have paid for themselves many times 19 

over before they occur, if they ever occur. 20 

                                                 
1 We have assumed that Maine’s electricity usage represents 8% of total electricity usage in NEPOOL on a dollar 
weighted basis. 
 
2 Sussex Economic Advisors, “Maine Public Utilities Commission Review of Natural Gas Capacity Options”, 
February 26, 2014. 
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The most efficient and effective means of increasing natural gas pipeline capacity into New 1 

England is through collective actions among the six New England states, since this most closely 2 

aligns the benefits and costs of such action.  Should Maine decide to enter into long-term 3 

pipeline capacity contracts on its own and independent of the other New England states, we 4 

recommend that Maine secure a commitment from the other New England states and/or the 5 

pipeline developers that Maine will be made whole should one or more of those states purchase 6 

additional pipeline capacity in the future. 7 

2 REVIEW OF PRIOR STUDY COMPLETED BY CES 8 

 9 
Q. Have you performed any analyses of the adequacy of natural gas pipeline capacity 10 

into New England and its impact on electricity rates? 11 
 12 
A. Yes, we have.  In 2012 we began to become concerned about the adequacy of natural 13 

gas supply in New England during the winter when heating demands for the fuel are highest 14 

and the impact shortages would have on natural gas pricing in the region and therefore 15 

electricity pricing.  We expressed our concerns to the IECG on a number of occasions, and in 16 

early 2013 the IECG retained CES to undertake a study of natural gas supply and prices in New 17 

England.  During this same period, ISO-NE was beginning to focus on natural gas supply 18 

conditions and whether pipeline capacity was sufficient to meet the fuel requirements of the 19 

region’s generators and therefore whether limited pipeline capacity was a threat to the 20 

reliability of the region’s electric grid. 21 

CES completed the initial phases of its study in March 2013 and issued an internal 22 

report to the IECG on April 5, 2013.3  (We have provided a copy of this study as CES Exhibit-1 23 

and hereby incorporate it into this testimony.)  This study showed that New England must rely 24 

on LNG or oil to meet heavy natural gas use and electric generation requirements during cold 25 
                                                 
3 Competitive Energy Services, LLC, “Assessing Natural Gas Supply for New England for the Winter of 2013-14 
and its Impact on Natural Gas prices and Electricity Prices,” April 5, 2013. 
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winter days.  The study showed that the fuel at the margin and therefore the fuel setting prices 1 

in the region may be unconstrained pipeline natural gas, imported LNG, propane or oil, 2 

depending on the combined heating and electricity loads in the region.  Historically, when the 3 

per Btu prices of these four fuels were relatively similar, whether one or another fuel was at the 4 

margin made little difference in terms of prices consumers paid for heat or electricity.  The 5 

shale gas revolution in the United States and the worldwide increase in the demand for natural 6 

gas that began in 2009 have resulted in a widening gap between the price of unconstrained 7 

pipeline gas, on the one hand, and LNG and oil, on the other.   8 

This situation is creating discontinuities in the Btu price for heating fuels and electricity 9 

in the market depending on which fuel is at the margin and therefore setting prices.  10 

Specifically, for low natural gas demands in the region when total demand is less than the 11 

throughput capacity of the region’s natural gas pipelines, pipeline natural gas is shown to be the 12 

marginal fuel and prices have been and continue to be relatively close to and occasionally 13 

below those at Henry Hub.  However, once natural gas demands exceed the total capacity of 14 

natural gas pipelines in the region, LNG becomes the marginal fuel driving natural gas spot 15 

prices up to and beyond the world price of LNG.  Further, at the highest demand levels, when 16 

there is inadequate LNG capacity, oil becomes the marginal fuel, driving prices even higher.  17 

This relationship is shown below in what is Figure 9 in the April 2013 report and here referred 18 

to as Figure 1. 19 

This pricing regime resulted in forward price estimates for electricity the 2013-14 winter 20 

period of: 21 

 $41.35 per MWh for November 2013 22 

 $41.92 for December 2013 23 

 $81.64 for January 2014 24 
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 $68.36 for February 2014 1 

These price estimates were based on demand and supply conditions during 2012, which was a 2 

relatively mild winter and where LNG supplies had not yet fully adjusted to the new market 3 

conditions in New England and the world.  As a result, even these high projected prices turned 4 

out to be well below actual prices experienced. 5 

  6 
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 Included a review and assessment of four other studies that have looked at the natural 1 

gas supply situation in New England – Concentric Energy Advisors, Inc., Black & 2 

Veatch, ICF International and Sussex Economic Advisors, LLC. 3 

 Reduced design day volumes of natural gas for non-electrical generation from 4.4 4 

bcf/day to 4.2 bcf/day 5 

 Based our electricity sector model on Calendar Year 2013 conditions in New England 6 

 Removed Vermont Yankee, reflecting the decision to shut down the plant in 2014 7 

 Increased the LNG price from $15/MMBtu to $18/MMBtu to reflect increases in world 8 

LNG prices 9 

 Reduced the flow north-to-south on the Maritimes & Northeast Pipeline from 0.5 10 

bcf/day to 0.35 bcf/day to reflect lower outputs from Sable Island, Deep Panuke and the 11 

McCully Fields and increased natural gas usage in the Maritime Provinces. 12 

 Examined three different natural gas pipeline expansion options, which we referred to as 13 

(i) LDC Contracted option that includes a TGP expansion of 0.070 bcf/day in 14 

Connecticut plus the AIM expansion of 0.340 bcf/day proposed by Spectra Energy, (ii) 15 

Governors’ Letter that included the LDC Contracted option plus an additional 0.600 16 

bcf/day in unspecified pipeline expansion and (iii) an option for 2 bcf/day of total 17 

incremental capacity from unspecified pipeline expansions.   18 

 19 

Q. Please describe the results of your February, 2014 study. 20 
 21 
A. We have reproduced “Figure 10: Summary of Scenario Model Results” from the 22 

February, 2014 study on the next page as Figure 2.  The top section of this figure shows the 23 

number of hours predicted by the model over the year that LNG, propane and oil are used to 24 

generate electricity sold into the wholesale market in NEPOOL under four different pipeline 25 
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scenarios with increasing amounts of capacity ranging from the Base Case with just over 3 1 

bcf/day to an incremental 2 bcf/day scenario providing a total of 5 bcf/day of pipeline capacity 2 

into New England.  This table shows that as pipeline capacity increases, the number of hours 3 

during the year in which New England must rely on LNG, propane or oil to meet total natural 4 

gas heating and process loads plus electric generating requirements falls. 5 

 The second set of figures shows the number of hours each fuel is on the margin and 6 

therefore setting electricity prices in New England.  Importantly, as pipeline capacity increases, 7 

the number of hours when each alternative fuel is at the margin declines.  This decline is 8 

manifested in lower electricity prices, as shown in the third set of figures.  The load weighted 9 

average annual energy price was estimated to fall from $53.43 per MWh under the Base Case to 10 

$35.22 per MWh under the incremental 2 bcf/day case.  The differential in total cost across all 11 

New England electricity ratepayers is just over $2.3 billion a year.  This represents the annual 12 

value to New England electric ratepayers from an increase in natural gas pipeline capacity into 13 

New England of 2 bcf/day, assuming Brayton Point is not shut down.5 14 

  15 

                                                 
5 In this testimony and in our previous studies, we restricted our focus to only the financial impacts to electric 
ratepayers in the NEPOOL Control Area.  We have not considered the impacts to electric ratepayers in the former 
Maine Public Service territory or in New Brunswick and Nova Scotia.  Since electric prices in New Brunswick 
(Keswick Node) are influenced to a great degree by prices in New England, actions that lower New England 
electric energy prices will benefit these consumers as well. 
 
We have also not considered the financial benefits to natural gas consumers.  This is a more difficult task because 
many natural gas LDCs have purchased upstream pipeline capacity for some portion of their customer loads that is 
moderating the steep price increases they would otherwise face.  Of course, new LDCs such as Bangor Gas and 
Summit in Maine (and the LDCs in Atlantic Canada) have generally not acquired upstream pipeline capacity at 
historic rates, since there is none available.  Accordingly, they and their customers (including those that transport 
gas) are exposed to the high winter basis and would benefit by any increases in natural gas pipeline capacity into 
New England.  Our decision to not include any savings for natural gas customers is conservative. 
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Q. With respect to the “LDC Contracted” scenario, what assumption did you make 1 
regarding whether these reservations were for existing demand or load growth? 2 

 3 
A. We assumed that these reservations were solely to meet existing demand. 4 

 5 

Q. How does this affect your analysis? 6 

A. To the extent that the reservations are being made to supply load growth, for instance 7 

for LDC pipeline expansions such as those going on in the Kennebec Valley, or for heating 8 

conversions such as those being pursued aggressively in Connecticut, the additional pipeline 9 

capacity purchased for these needs will effectively be unavailable to reduce the basis 10 

differential.  Rather, it will set a new baseline above which expansions must be constructed to 11 

reduce the basis differential.   If the LDC expansions are committed exclusively to load growth 12 

the effect is as if these expansions had never happened and the savings from the later 13 

expansions in the table are shifted up into the steeper or greater return portion of the curve. 14 

 15 

3 MODEL REVISIONS AND UPDATES 16 

 17 
 18 
Q Have there been any important changes in New England since you completed your 19 

February, 2014 study that impact the results of that study? 20 
 21 
A. Yes.  One important change is the recent announcement by the owners of the Brayton 22 

Point Power Station that they will be shutting the plant in 2017.6  New Jersey-based Energy 23 

Capital Partners have notified ISO-NE that it will retire the four generating units at Brayton 24 

Point by June 1, 2017.  Brayton Point has a capacity of just over 1,500 MW, approximately 25 

1,100 MW of which are coal-fired.  The shutdown of 1,100 MW of coal-fired generation will 26 

                                                 
6 http://www.providencejournal.com/breaking-news/content/20140129-after-rejecting-request-to-delay-shutdown-
brayton-point-moves-to-close-coal-fired-plant-in-2017.ece 
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result in more reliance on natural gas-fired generation and put more stress on already 1 

constrained natural gas pipelines into the region.  Our updated model takes these coal-fired 2 

units at Brayton Point out of the dispatch mix. 3 

 A second important change is more difficult to model.  We noted in our February, 2014 4 

report that a fundamental shift occurred in 2013 with respect to the pricing of LNG in the New 5 

England market.  As shown in Figure 4 (which reproduces Figure 12 from the February 2014 6 

study and adds in year-to-date 2014 prices), Algonquin v. Tetco M3 basis price differentials in 7 

2013 were very different from those experienced during the period 2007 through 2012.  We 8 

believe that this differential represents a permanent shift in the market caused by the expiration 9 

of contracts for LNG based on historic prices and the unwillingness of LNG terminals to 10 

schedule LNG cargo deliveries without firm contracts for its resale.  As a result, in 2013 we saw 11 

much higher LNG prices drive New England basis pricing higher. The graph shows that the 12 

experience in 2013 has continued into 2014.   13 

  14 
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Figure 4 Algonquin v Tetco M3 Basis Differentials – 2007 - 2014 1 

 2 

Q Did you make any other modifications to your model? 3 
 4 
A. Yes.  In our February, 2014 report we looked at three different pipeline scenarios, as 5 

described earlier.  In our updated study we have looked at pipeline capacity expansions in a less 6 

specific but more granular manner.  Instead of identifying specific pipeline expansion scenarios, 7 

we have modeled generic expansions in increments of 0.20 bcf/day.  We have done this to 8 
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enable the Commission to match the incremental benefits of discrete pipeline capacity additions 1 

with the costs of those additions as revealed through a Request for Proposals process that we 2 

anticipate the Commission will undertake. 3 

 4 

Q. Did you adjust the time period of your analysis to include any days in 2014 or is the 5 
model still based on Calendar Year 2013 energy market and weather conditions?  6 

 7 
A. We did not adjust the time period, so we are still modeling Calendar Year 2013.  We 8 

gave some thought to adjusting the period to include this past winter, but decided not to for the 9 

following reason: The winter of 2014 was an historically colder than normal winter, which 10 

pushed natural gas and electricity usage to higher than normal levels.  In contrast, the winter of 11 

2013 was a fairly typical winter for the northeast and more indicative of weather conditions in 12 

this region of the country. 13 

 14 

Q. ISO-NE implemented a Winter Reliability Program this past winter, but this 15 
program was not in effect during the January – March 2013 period of your model 16 
period.  Are you concerned that this has impacted your analysis?  17 

 18 
A. No. As shown in Figure 4, the basis differential between Tetco-M3 and Algonquin in 19 

2014 (year-to-date) has been very similar to the experience in 2013.  This suggests that the 20 

Winter Reliability Program had some impact on moderating this basis differential.  This 21 

program, however, cost New England electric ratepayers approximately $75 million, which is 22 

not included in our analysis.  Further, in our model we cap the prices for LNG and oil at $18 per 23 

MMBtu and $22 per MMBtu, respectively.  This cap is the result that the Winter Reliability 24 

Program is intended to create, by ensuring that there is adequate oil inventory available in 25 

enough generating plants in the region to keep the lights on.  The effect of this would be to cap 26 

the price of pipeline natural gas and LNG at the $22 per MMBtu level. 27 
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 1 

 2 

4 UPDATED MODEL RESULTS 3 

 4 

Q. Before discussing the estimated value of additional natural gas pipeline capacity 5 
into New England, please describe how the shutdown of the Brayton Point 6 
generating station impacts spot prices and fuel use in New England.  7 

 8 
A. The Brayton Point generating plant consists of four generating units, three of which are 9 

coal-fired and have a combined winter capacity of approximately 1,100 MW.  The fourth unit is 10 

a dual-fuel (natural gas/oil) unit with a winter capacity of approximately 400 MW.  The plant is 11 

one of five coal-fired generating plants in New England that have a combined total winter 12 

capacity rating of 2,205 MW.7 13 

 Figure 5 shows the amount of coal-fired generation operating each hour in New England 14 

during 2013, as reported by ISO-NE.  (Note – this includes Brayton Point.)  This figure shows 15 

that coal units are not operating in a baseload manner, but in fact, are providing energy when 16 

load levels in the region are at their highest in the summer and when natural gas prices are high 17 

in the winter.  ISO-NE does not provide enough detail to determine which of the coal units were 18 

operating during the hours shown in the figure.  We have assumed for our modeling purposes 19 

that the first 1,100 MW of coal generation during any hour is from the Brayton Point plant and 20 

have replaced this generation with an equivalent amount of natural-gas fired generation in our 21 

dispatch model.  Assuming that the replacement natural gas generation operates at a heat rate of 22 

10,000 Btu/kWh, this new generation will add an additional 0.26 bcf/day of demand for natural 23 

gas during the winter months. 24 

  25 
                                                 
7 ISO-NE, CELT Report, May 16, 2014.  Available on-line at http://www.iso-ne.com/trans/celt/report/index.html. 
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393 incremental hours when LNG is required, the total cost to New England electricity 1 

consumers of replacing Brayton Point is a staggering $1.02 billion a year.   2 

 3 

Q. Have you made any assessment of the likelihood that Brayton Point will not 4 
actually close? 5 

 6 
A. We have not made a detailed assessment of the likelihood of the unit remaining open.  7 

We note that in December, 2013, ISO-New England designated the unit “must run” necessary 8 

to maintain reliable electric service throughout the system.  However, despite this designation, 9 

the owners of the facility reaffirmed their plans to close the facility in 2017.8 10 

 11 

Q. Please describe the results of your updated modeling.  12 
 13 
A. Except as noted in the prior section, the model is the same model used in our February, 14 

2014 report.  The Base Case assumes that natural gas flows into New England on the 15 

Algonquin, Tennessee, Iroquois and PNGTS pipelines are at their respective capacities, while 16 

flows from the Sable Island, Deep Panuke and McCully Fields in Atlantic Canada on the 17 

Maritimes & Northeast Pipeline are set at 0.35 bcf/day.  This level of flow is well below that 18 

pipeline’s capacity and is constrained by the production of the natural gas fields. We assume 19 

further that LNG availability out of Canaport can increase flows on the Maritime & Northeast 20 

pipeline up to 0.860 bcf/day, that send out from the Distrigas facility in Everett can reach 0.70 21 

bcf/day and that the LDCs can draw upon up to 1.40 bcf/day from their own LNG storage 22 

facilities located throughout the region.  This total capacity is more than adequate to meet the 23 

region’s natural gas design day requirements, assuming there is adequate LNG supply. 24 

                                                 
8 http://www.providencejournal.com/breaking-news/content/20140129-after-rejecting-request-to-delay-shutdown-
brayton-point-moves-to-close-coal-fired-plant-in-2017.ece 
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 Figure 6 shows the model results for the Base Case compared to the Base Case modeled 1 

in the February 2014 report.  The graph shows the shift in the natural gas requirements curve 2 

resulting from the shutdown of Brayton Point and lower flows on the M&N pipeline against 3 

pipeline capacity (the horizontal line).  Under this new Base Case, with no additional pipeline 4 

capacity beyond what currently exists, New England electricity consumers can expect to spend 5 

approximately $7.95 billion a year at an average annual price of $62.44/MWh. 6 

 7 

 8 
  9 
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Figure 7 Summary – Economic Value 1 

 2 

 3 

Figure 7 illustrates the declining marginal value of each incremental 0.20 bcf/day of 4 

incremental pipeline capacity.  For example, the first 0.2 bcf/day of capacity results in $690 5 

Pipeline 
Capacity

Pipeline Capacity bcf/d LNG Propane Oil

Base Case 3,086 1502 233 183
+ 0.2 bcf/d Capacity 3,286 1147 168 138
+ 0.4 bcf/d Capacity 3,486 858 127 95
+ 0.6 bcf/d Capacity 3,686 641 86 68
+ 0.8 bcf/d Capacity 3,886 456 64 50
+ 1.0 bcf/d Capacity 4,086 336 48 39
+ 1.2 bcf/d Capacity 4,286 242 37 33
+ 1.4 bcf/d Capacity 4,486 174 31 27
+ 1.6 bcf/d Capacity 4,686 133 25 15
+ 1.8 bcf/d Capacity 4,886 93 13 11
+ 2.0 bcf/d Capacity 5,086 66 10 6
+ 2.2 bcf/d Capacity 5,286 49 6 6
+ 2.4 bcf/d Capacity 5,486 39 6 4

Annual Energy 
Costs

Incremental 
Savings

Cumulative 
Savings

Load Weighted 
Avg. Energy Price

Pipeline Capacity ($) ($) ($) ($/MWh)

Base Case $7,945,735,821 $62.44

+ 0.2 bcf/d Capacity $7,255,844,755 $689,891,066 $689,891,066 $57.02

+ 0.4 bcf/d Capacity $6,664,449,979 $591,394,776 $1,281,285,842 $52.37

+ 0.6 bcf/d Capacity $6,196,962,991 $467,486,988 $1,748,772,830 $48.70

+ 0.8 bcf/d Capacity $5,779,395,509 $417,567,482 $2,166,340,312 $45.41

+ 1.0 bcf/d Capacity $5,495,438,821 $283,956,688 $2,450,297,000 $43.18

+ 1.2 bcf/d Capacity $5,263,210,225 $232,228,596 $2,682,525,596 $41.36

+ 1.4 bcf/d Capacity $5,087,525,805 $175,684,420 $2,858,210,016 $39.98

+ 1.6 bcf/d Capacity $4,977,290,940 $110,234,865 $2,968,444,881 $39.11

+ 1.8 bcf/d Capacity $4,865,818,772 $111,472,168 $3,079,917,049 $38.24

+ 2.0 bcf/d Capacity $4,787,981,865 $77,836,907 $3,157,753,956 $37.62

+ 2.2 bcf/d Capacity $4,737,078,172 $50,903,693 $3,208,657,649 $37.22

+ 2.4 bcf/d Capacity $4,705,966,963 $31,111,208 $3,239,768,858 $36.98

Summary - Economic Value of Incremental Natural Gas Pipeline 

Hours of Generation by Fuel Type

Capacity to New England Electric Consumers
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million in reduced electricity costs in the region; the second 0.2 bcf/day results in $590 million 1 

and so on.  We have modeled up to an additional 2.4 bcf/day, the last 0.20 bcf/day of which 2 

would add very little value to the region – approximately $31 million a year.  The cumulative 3 

impact of an additional 2 bcf/d is over $3 billion, with Brayton Point shut down. 4 

 5 

4.1 Discussion	of	Model	Assumptions	6 
 7 

Q. Please describe the key assumptions that you have made in developing and running 8 
your model and discuss whether you believe them to be “conservative” or 9 
“aggressive” with respect to the model’s estimates of the economic value of 10 
incremental natural gas pipeline to New England’s electricity consumers. 11 

 12 
A. Our February, 2014 report included a discussion of some of the assumptions in our 13 

model and what impact these assumptions have on the estimated economic value of incremental 14 

pipeline capacity.  We have incorporated some of that discussion in this section and expanded it 15 

to include a broader set of assumptions, an indication of whether each assumption is 16 

conservative or aggressive and an accompanying discussion of each assumption. 17 

 18 

1. Analysis Period – Calendar Year 2013 19 

Our period of analysis is for Calendar Year 2013.  Temperatures and weather conditions during 20 

2013 were close to “normal” for New England, certainly closer to normal than the relatively 21 

warmer 2011-12 and the relatively colder 2013-2014 winters.  We believe that this assumption 22 

is neither conservative nor aggressive. 23 

 24 

2. Design Day LDC Usage Set to 4.2 bcf/day 25 
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There is general agreement among those who have examined natural gas conditions in New 1 

England that total annual LDC demand for natural gas is in the range of 430 bcf.  While annual 2 

demand for natural gas is important, it is not what is driving capacity shortage situations and 3 

very high price spikes in New England.  These are the result of peak demands, driven by cold 4 

weather and usage levels approaching Design Day demands on LDC systems.  There is less 5 

agreement among Black & Veatch, Concentric Advisors and ICF about what Design Day 6 

demands for the New England region are, as shown below in Figure 8: 7 

Figure 8 New England LDC Design Day Demands 8 

Consultant/Study Design Day (bcf/day) 
ICF International 4.2 

Concentric Advisors 3.5 
Black & Veatch 3.0 

 9 

Each of these values appears to have been developed using different methodologies and 10 

different sources.  ICF used as a proxy 1% of total annual volumes to measure Design Day 11 

loads; Concentric Advisors based their estimate on the aggregate of the Design Day loads for 12 

most of the LDCs in the region gleaned from their Integrated Resource Plans; while Black & 13 

Vetch developed its Design Day volumes based on historical records that Black & Veatch says 14 

show a 2.56 multiplier for Design Day conditions compared to average winter conditions. 15 

Our own work that we performed to specify design capacities for our proposed pipeline 16 

system to serve Kennebec Valley Gas Company9 customers in central Maine resulted in a 17 

system-wide Design Day volume equal to approximately 1% of annual projected volumes, 18 

                                                 
9 Kennebec Valley Gas Company was sold to Summit Natural Gas of Maine, which is building out the distribution 
pipeline infrastructure to serve customers in Central Maine. 
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leading us to support the ICF estimate.10  We have used a Design Day volume equal to 4.2 bcf/d 1 

in our modeling.  While this figure is on the high end of the range, we believe that it is neither 2 

aggressive nor conservative, especially in combination with our assumption of zero load growth 3 

discussed below. 4 

 5 

3. LDC load growth 6 

There is general agreement that demand for natural gas for heating and process purposes is 7 

likely to grow over the next decade throughout New England as a result of new natural gas 8 

expansions (e.g., Summit Natural Gas of Maine) and fuel-conversions where natural gas 9 

infrastructure already exists to serve customers (e.g., Connecticut’s policy to increase 10 

residential and commercial natural gas penetration rates by 50% by 2020).  There is less 11 

agreement, however, regarding the amount by which LDC demands are likely to grow and 12 

whether that growth will be in Design Day volumes or overall annual usage.  Concentric 13 

Advisors projected average demand growth rates of 0.5% in Design Day volumes for the region 14 

through 2020 or an increase of about 0.150 to 0.250 bcf/d.11  ICF International projected a much 15 

higher Design Day average annual growth rate of 1.4% over the same period and an average 16 

growth rate of 1.2% for annual LDC demands.  This latter growth rate results in an estimated 17 

total region-wide demand of 468 bcf by 2020.  Finally, Black & Veatch projected average 18 

growth in natural gas demand of 1.6% per year New England (except Connecticut), with 19 

Connecticut’s goal of increasing natural gas penetration by 50% through 2020, resulting in a 20 

                                                 
10 In addition, Sussex Economic Advisors, LLC, who have been retained by the Maine Public Utilities Commission 
to assist in modeling the price impacts of additional pipeline development in New England, indicated during a 
telephone conversation that they believed Design Day volumes to be in the 4.2 bcf/d range. 
 
11 We have adopted the convention of reporting natural gas volumes in billions of cubic feet (bcf) rather than 
MMBtu, since this has been the standard unit of MMBtu reference when discussing pipeline capacities.  For our 
purposes, we have assumed that 1 bcf = 1,000,000 MMBtu. 
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higher growth rate in that state.12  We have not included any LDC load growth in our model, an 1 

assumption that we believe is conservative, especially given that it will be a few years before 2 

any new pipeline capacity can be brought on line. 3 

 4 

4. Flows south out of Canada on the Maritimes & Northeast pipeline 5 

We have modeled natural gas flows (excluding injections of regasified LNG out of the 6 

Canaport facility) from Atlantic Canada south into the United States on the Maritimes & 7 

Northeast pipeline at 0.35 bcf/day.  This gas includes production from Sable Island and Deep 8 

Panuke as well as limited production from the McCully Field in New Brunswick, and is net of 9 

natural gas demands in Nova Scotia and New Brunswick.  This is a very conservative estimate, 10 

especially for future flows beyond 2019.  Based on published production estimates, expected 11 

output from these three facilities will fall over the next five years, with production at Sable 12 

Island falling from 0.18 bcf/day to below 0.10 bcf/day, production at Deep Panuke falling from 13 

0.30 bcf/day to 0.10 bcf/day and production from the McCully Field remaining relative flat at 14 

0.010 bcf/day.  During this same period, natural gas usage in Nova Scotia and New Brunswick 15 

is expected to increase from approximately 0.20 bcf/day to 0.25 bcf/day during the winter 16 

months, and higher on peak cold weather days.13  At these levels, we can expect very little 17 

natural gas from these three fields to flow south into New England during the winter months. 18 

 We do believe, however, that there eventually will be shale gas developed in New 19 

Brunswick in amounts that could, under the right circumstances, replace the flows from the 20 

other sources.  This gas remains speculative at best at this time, and its development is being 21 

                                                 
12 Black & Veatch state that they anticipate natural gas demand growth of 0.360 bcf/d from 2014 through 2029, but 
it is unclear whether this includes growth from electricity generation as well as LDC demand. 
 
13 “The Future of Natural Gas Supply for Nova Scotia,” ICF Consulting Canada, Inc., March 28, 2013. 
 



 
   

7010919.5 31

slowed by resistance to hydraulic fracking in the Province.  Therefore, while we expect that by 1 

2020 all of the natural gas flows from Canada south into New England on the Maritimes & 2 

Northeast pipeline will be LNG sourced through the Canaport facility, we are using the much 3 

more conservative 0.35 bcf/day of Canadian natural gas in our base case for modeling purposes.   4 

 5 

5. Electric/Gas market coordination 6 

We do not believe any of the recent proposals regarding improving the coordination between 7 

electricity and natural gas markets have the potential to change our analysis of the economic 8 

value of natural gas pipeline capacity expansion in any significant way.  FERC has proposed in 9 

a recent rulemaking that the gas day be moved earlier to start at 4 a.m. rather than 9 a.m. and 10 

that another standard nomination cycle be added to allow a further opportunity for gas flows 11 

intraday to be adjusted.  These proposals may allow ISO-NE to know with more certainty 12 

whether the units it has dispatched have a secured fuel supply, particularly during the morning 13 

ramp, but they cannot alter the basic supply and demand imbalance that occurs at times of 14 

pipeline constraint.  These proposals have been referred to the NAESB process and may yet be 15 

modified, adding yet a further level of uncertainty as to their ultimate effect.  We are also aware 16 

of some informal proposals aimed at increasing the liquidity and transparency of intraday 17 

physical trading that might lower the volatility or increase the utilization of existing 18 

infrastructure under some circumstances.  These proposals, however, are purely conceptual at 19 

this point and have not been taken up by the industry.  Given this, the prospect of significant 20 

change within the timeframe relevant to the statute or to the needs of Maine and New England 21 

ratepayers seems remote.  Further, since there is no agreement on any particular change to 22 

trading that might be adopted, it would be speculative to hypothesize upon the potential ‘what 23 

ifs’ of any such future trading regimes.   24 
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 1 

6. Ramping capacity of generating units 2 

Our model does not include any operating constraints on various generating units.  Specifically, 3 

we do not consider minimum run times or ramping requirements for fossil units.  This means 4 

that we are underestimating the demand for natural gas somewhat, since we are using average 5 

heat rates for all operating hours.  It also means that we are underestimating the number of 6 

hours that oil/steam units with long ramp times operate.  Accordingly, this is a conservative 7 

assumption. 8 

 9 

7. Generation Plant shutdowns 10 

As noted earlier in our testimony, our model incorporates the recent shutdown of Vermont 11 

Yankee in 2014 and the announced shutdown of Brayton Point in 2017.  ISO-NE has identified 12 

that up to 8,300 MW of non-gas-fired generation is “at risk” for retirement by 2020.  These are 13 

28 older oil and coal units.14  The shutdown of an oil plant has no impact in our model, as oil 14 

generation is the last type of unit called upon, and we have assumed that there is always enough 15 

oil generation, either in the form of oil steam or dual fueled gas turbines, to meet electricity load 16 

should there not be enough other units available. 17 

 Coal unit shutdowns, however, are a different matter, as we have shown earlier in our 18 

discussion of the impact of shutting Brayton Point.  Based on the 2014 ISO-NE CELT Report, 19 

there are just over 1,000 MW of coal-fired generating capacity, not including Brayton Point, in 20 

New England.  These units no longer provide much energy, but they do remain very important 21 

during the winter period.  If all of these units were to shutdown, the impact would be to increase 22 

                                                 
14 “Infrastructure Needs:  electricity – Natural Gas Interdependencies,” Gordon van Welie, ISO-NE, U.S. 
Department of Energy Quadrennial Energy Review, April 2014.  Available on line at http://www.iso-
ne.com/pubs/pubcomm/pres_spchs/2014/van_welie_interdependencies_4-21-14.pdf. 
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the demand for natural gas on during the winter, resulting in additional hours where LNG or oil 1 

is required to meet electric loads.  Accordingly, our assumption that there will be no further 2 

coal plant shutdowns is a conservative one. 3 

 4 

8. New Generation Plants 5 

We have assumed that there will be no additional renewable generation (or other must-run, 6 

zero-bid resources) beyond those in the generation mix in 2013.  This is an aggressive 7 

assumption, as we know there is significant solar PV generation that has come on-line this year 8 

and will continue to expand over the next five years.  In addition, we expect to see more land-9 

based wind generation in the region. 10 

 This generation, however, has limited impact on the overall demand for natural gas, 11 

since its energy output is only a fraction of its installed capacity.  Nevertheless, we did model 12 

the impacts of an additional 1,000 MW of solar PV and 1,000 MW of land-based wind, which 13 

we discuss further in Section 6.   14 

 15 

9. Electric Load 16 

We have assumed that there will be no electricity load growth in New England, and in 17 

particular no load growth during the winter months when natural gas pipeline capacity is 18 

constrained.  We view this assumption as neither conservative nor aggressive; however, we do 19 

note a recent uptick in the demand for heat-pumps as an alternative to heating residential space 20 

with oil, some of which is being aided by state or utility funding.  This could increase electricity 21 

usage in place of fuels other than natural gas during the winter months when natural gas supply 22 

constraints are most critical. 23 

  24 
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  1 

5 REVIEW OF THE SUSSEX ECONOMIC ADVISORS REPORT  2 

 3 
 4 
Q. Have you reviewed the Sussex Economic Advisors’ report to the Commission? 5 
 6 
A. Yes, we have reviewed what we understand to be the final report dated February 26, 7 

2014 (“Sussex Report”). 8 

 9 

Q. Do you have any comments regarding the Sussex Report? 10 
 11 
A. Yes.  We believe the Sussex Report understates the economic value of increased natural 12 

gas pipeline capacity to New England and Maine electric ratepayers for the following reasons: 13 

1. The Sussex Report determines the value of additional pipeline capacity in part by 14 

identifying the number of hours when natural gas is at the margin in the ISO-NE dispatch (see 15 

tables on p. 54-56).  The figures show that oil is on the margin for 2% of the hours, natural gas 16 

for 68% of the hours and some other fuel the remaining 30% of the hours.  There are only two 17 

other fuels – nuclear and coal – and neither of these is at the margin for 30% of the hours during 18 

the year.  We believe that the Sussex Report included “pumped storage” hydro in the other fuels 19 

category, which would account for the high number of hours the other fuels category is shown 20 

at the margin.  Clearly, pumped storage did not bid in at $0/MWh when it was at the margin, 21 

since there are nowhere near 30% of the hours where the energy clearing price is equal to zero.  22 

Further, the cost of pumping water to an uphill reservoir for storage is not zero, but is, instead, 23 

the energy clearing price during those hours when pumping occurs.  During the majority of 24 

these hours, natural gas is at the margin.  Therefore, if the price of natural gas is driven up due 25 

to pipeline capacity constraints, the bid prices for pumped storage units will be higher – 26 

effectively translating natural gas to the margin during those hours when pumped storage is at 27 
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the margin. We believe that higher percentage of hours with natural gas at the margin in the 1 

tables on page 54-56 will increase the energy savings resulting from a reduction in natural gas 2 

premium in these tables. 3 

2. The graph on page 45 of the Sussex Report demonstrates the shift in the relationship 4 

between LNG and natural gas prices that occurred prior to the winter of 2012-13 as we have 5 

discussed elsewhere in our testimony.  The graph shows a distinctly different relationship 6 

between the Algonquin – Henry Hub basis differential and west-end utilization for 2011 and 7 

2012 compared to 2013, yet the Sussex Report averaged all observations over this three-year 8 

period to obtain a relationship between west-end utilization and basis differentials.  This is 9 

simply not appropriate, since the averaging process gives 67% of the weight to observations 10 

that occurred prior to the relationship shift.  The result is a considerably lower basis differential 11 

at the high west-end utilization levels.  Since the Sussex Report indicates on page 47 that “To 12 

estimate the effect of incremental pipeline capacity of New England wholesale natural gas 13 

prices, Sussex reviewed a range of basis differential reductions based on the results of the 14 

Natural Gas Basis / Capacity Utilization Analysis discussed above …” as well as reviews of 15 

forward natural gas basis differentials for New England and New York, to the extent that the 16 

Sussex Report relies on the former, its estimate of the value of incremental pipeline capacity 17 

will be biased downward. 18 

 19 

An additional troubling aspect of the Sussex Report is its reliance on observed forward 20 

basis differentials in the market on a single day to estimate the value of pipeline capacity 21 

additions.  The table on page 48 of the Sussex Report shows a reduction of approximately 32% 22 

in forward Algonquin basis over the next three winters, based on January 2, 2014 data.  We 23 

have reproduced this table below in Figure 9 and updated it to show the same information as of 24 
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June 30, 2014.  Forward basis pricing in any constrained gas market is highly variable and 1 

dependent on many factors of which anticipated pipeline capacity is only one.  Figure 10 below 2 

shows the variations that have occurred in the percentage difference between the forward winter 3 

basis price for Algonquin for 2014/15 compared to 2016/17 over the last year.  This shows a 4 

range of between -15% and -40% based on values that ranged between $3.50 per MMBtu and 5 

$10.50 per MMBtu.  Simply picking one day – January 2, 2014 - out of this soup and using it as 6 

the basis for the savings that can be achieved from pipeline expansion is unacceptable.  At a 7 

minimum the analyst must demonstrate why the date selected is the best representation of the 8 

future among all the possible dates that might have been selected.  Also, the usage of 9 

percentage in place of dollars creates a bias that understates the dollar savings that will result 10 

from pipeline expansion.  Simply put 30% of $2 is a lot more valuable than 30% of $1. 11 

  12 
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Figure 9 Sussex Report Data - Updated 1 

 2 

  3 

Algonquin Basis

Nov Dec Jan Nov ‐ Jan

2014‐15 $3.680 $8.160 $12.060 $7.967

2015‐16 $3.440 $7.520 $11.340 $7.433

2016‐17 $2.550 $5.520 $8.190 $5.420

Pct Chg ‐30.7% ‐32.4% ‐32.1% ‐32.0%

Nov Dec Jan Nov ‐ Jan

2014‐15 $2.278 $10.745 $15.300 $9.441

2015‐16 $5.113 $8.210 $13.105 $8.809

2016‐17 $2.522 $6.125 $11.270 $6.639

Pct Chg 10.7% ‐43.0% ‐26.3% ‐29.7%

Change

2014‐15 18.5%

2015‐16 18.5%

2016‐17 22.5%

January 2, 2014

Sussex Report

Updated

June 30, 2014
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 The above discussion illustrates one set of flaws in the so-called “Case Study” approach 1 

used in the Sussex Report.  A second flaw is the use of inappropriate case studies.  To the best 2 

of our knowledge, there is no underlying relationship between pipeline capacity and basis 3 

differential that is the same in all natural gas regional markets or even in the same market at 4 

different points in time.  More specifically, the impact on basis pricing of an additional 1 5 

bcf/day of pipeline capacity could in some markets result in a negligible impact to basis and in 6 

other markets completely reduce basis to zero or less.  The impact is market specific.  The fact 7 

that a 1 bcf/day pipeline capacity expansion resulted in a reduction between 65% and 70% in 8 

forward natural gas prices (see p. 60 of Sussex Report) in New York City in 2012 provides no 9 

information as to what a 1 bcf/day pipeline capacity increase into New England will mean for 10 

basis pricing in New England in 2018 or 2019.  To assume that it would have the same 65% 11 

reduction (see page 61 of Sussex Report) without significant additional analysis is 12 

unsupportable.   13 

 14 

6 IDENTIFYING AND ASSESSING THE RISKS OF LONG-TERM GAS 15 

PIPELINE CAPACITY PURCHASES 16 

 17 

Q. You have identified the benefits to New England and Maine from increasing 18 
natural gas pipeline capacity.  Are there risks to New England and Maine 19 
businesses and residents associated with such activity? 20 

 21 
A. Yes., there are risks related to every investment.  The fundamental question facing any 22 

entity including the Commission in assessing the risk or any long term investment or 23 

transaction is, whether it is a sound investment – that is, whether it is likely that the benefits to 24 

be derived in the future will more than offset the commitment of scarce resources today.   We 25 

discuss below a number of ways in which events could progress that prevent the benefits of this 26 
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pipeline investment being realized and the likelihood of these events occurring.   Because this 1 

analysis deals with projections far out into the future, the likely time horizon for both the 2 

pipeline investment and return in comparison to other things that might happen is critical.  We 3 

anticipate that the pipeline investment will be made in 2017-18 and the payback will begin in 4 

2019.  Depending on the ultimate capacity purchased and the prices paid, payback could be 5 

completed in as little as one year and should be completed in no more than two to three years.  6 

The probability of most of the possible risks delineated below coming into force by 2022 is 7 

very small. 8 

 9 

Q. Since additional pipeline capacity provides New England access to less expensive 10 
natural gas, is there a risk that the current low price of natural gas from the 11 
Marcellus region will not continue into the future? 12 

 13 
A. The primary benefit to be derived from pipeline expansion is the price spread between 14 

natural gas as fuel for electric generation and other fuels which might be used within acceptable 15 

environmental constraints.  In New England these acceptable fuels are limited to oil, LNG, and 16 

propane.  We do not believe that expansion of coal generation would be acceptable or that 17 

biomass expansion is feasible at the necessary scale.   Further, we do not believe that the region 18 

will accept a new nuclear plant.   19 

The basic commodity risk is that prices per Btu will equilibrate between pipeline gas 20 

brought into the region from the Marcellus fields and one of the other three acceptable fossil 21 

fuels.  Equilibration can result from a collapse in the prices of oil, LNG, or propane or by a rise 22 

in the unconstrained or basis free price of pipeline gas.  A collapse in the price of liquid fuels 23 

can result from a massive decline in demand or a massive increase in supply at current 24 

production costs.  Because these liquids fuels are traded world-wide in enormous volumes, a 25 

very long and extremely deep depression recession would be required for a price collapse.  We 26 
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note that the great recession of the past few years had very little impact on the price of liquid 1 

fuels, and in the case of LNG was more than offset by increased Japanese and other national 2 

demands following the Fukishima nuclear disaster. 3 

Certainly there is considerable incentive for entities to get into or expand the export of 4 

North American gas.  In the very long term this is likely to happen, but the price that exporters 5 

can pay for U.S. domestic natural gas must always be less than the world price for LNG minus 6 

the amortized cost of the liquefaction plant and the cost of added pipeline capacity to bring gas 7 

to the plant.  Gas liquefaction plants have very significant economies of scale, the larger the 8 

plant the lower the price per Btu.  However, there are few places in the U.S. that have both 9 

adequate coastal geography and sufficient pipeline capacity back to abundant and low cost 10 

natural gas fields to support more than a small amount of LNG export, and a small amount of 11 

LNG export will not cause North American gas to equilibrate to world prices.  This is evident in 12 

the long-term forward prices for natural gas traded on NYMEX, where nominal prices remain 13 

below $6.00 per MMBtu as far out as November 2026.  At a $6.00/MMBtu NYMEX price, the 14 

economic benefits from expanded natural gas pipeline capacity are fully 80% of those we have 15 

estimated in the prior section of our testimony. 16 

Even in the extreme case where LNG liquefaction proceeds at such scale to support 17 

major exports of U.S. natural gas supply, the cost of converting natural gas to LNG and 18 

shipping it to overseas markets will preserve a price differential of approximately $5/MMBtu.  19 

This would still leave approximately 40% of our estimated economic value related to pipeline 20 

capacity expansion, thereby increasing the expected payback period on the investment from less 21 

than two years to less than five years.  Since it would take more than a decade to develop the 22 

infrastructure necessary for this scenario to play itself out, if it did occur, it would occur well 23 

beyond the point at which the increased pipeline capacity had paid for itself.   24 
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The flip side of the risk of major U.S. exports of LNG is the scenario where non-North 1 

American natural gas supply increases to such an extent that the demand for LNG falls and with 2 

it the price of LNG.  This would require a confluence of a number of low probability events.  3 

First, other countries with the potential for significant shale gas would have to adopt U.S. gas 4 

fracking technology and develop the technical expertise to support its wide-scale deployment.  5 

While we may see some of this occurring over the next decade in places such as China and 6 

Poland, the current trend is much the opposite as political opposition in places such as France, 7 

Germany and even neighboring New Brunswick represents a major obstacle for moving 8 

forward. 9 

Second, even if countries were able to overcome the technology gap and political 10 

opposition to fracking, the opportunity for cheaper gas would most certainly lead to rapid 11 

expansions of domestic natural gas use, as it has in the U.S.  Countries such as China would be 12 

in a position to swap out cleaner natural gas for coal as a fuel for generating electricity, which 13 

would exert upward pressure on natural gas prices and in turn worldwide prices for LNG until 14 

much of the fuel substitution had run its course.  This could take decades – certainly well 15 

beyond the timeframe necessary for the benefits of expanded pipeline capacity in New England 16 

to far surpass the costs of the pipeline capacity. 17 

One example of just how difficult it is to affect major structural change in an industry 18 

characterized by significant capital investment is in transforming all or part of the U.S. 19 

transportations sector from gasoline to natural gas.  There have been a number of suggestions 20 

and a few implementations15 for conversion of U.S. transportation from liquid fuels to LNG or 21 

CNG.  While there is a significant fuel price advantage in making this conversion, there are also 22 

                                                 
15 See for example Clean Energy - http://www.cleanenergyfuels.com/about-clean-energy-natural-gas-
fueling/index.html. 
 



 
   

7010919.5 43

very significant infrastructure barriers to be overcome.  One current implementation example on 1 

the long haul corridor between Las Vegas and Los Angeles, while not unique, is also not 2 

representative of the investment required to undertake large scale conversion.  The Las Vegas to 3 

Los Angeles route is accomplished with only three refueling stations and a limited number of 4 

trucks dedicated to a single route.  Even a U.S. conversion at scale would place only modest 5 

downward pressure on liquid fuel prices because the U.S. is only a fraction of global demand.  6 

While such a conversion would put upward pressure on natural gas prices, the potential squeeze 7 

is not open ended because the market would respond by bringing more natural gas to market in 8 

response to higher prices.  In short, we do not believe that transportation conversion will 9 

equalize U.S. natural gas and liquid fuel prices in the foreseeable future. 10 

 11 

Q. Is there a risk that alternative generating sources will expand significantly in New 12 
England thus reducing the need for increased natural gas pipeline capacity? 13 

 14 
A. The economic value of increased natural gas pipeline capacity derives primarily from 15 

reducing the fuel input price to electric generating facilities during the winter months and 16 

especially on the coldest days.   Because fossil fuel generation is on the margin during these 17 

periods and throughout most of the year in New England, the price of fuel drives not just the 18 

price paid to the fossil fuel fired generators, but to the entire market.  If additional non-fossil 19 

fuel generation such as hydro from Hydro Quebec, biomass plants, new nuclear generation or 20 

in-region wind or solar PV were added to the generation mix, the hours when fossil fuels are on 21 

the margin would be reduced.  This, in turn, would reduce the benefit to our region’s electricity 22 

consumers from expansion of natural gas pipeline capacity into New England.  23 
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We have modeled a few representative scenarios showing the impact of adding 1,000 1 

MW of new generating capacity of different types on the value of incremental natural gas 2 

pipeline capacity.  The results are shown in Figure 11. 3 

The columns in Figure 11 show the annual cost of electricity in New England for each 4 

of five scenarios, including the Base Case, assuming additional 0.20 bcf/day increments in 5 

natural gas pipeline capacity into the region.  These costs are only the energy costs and do not 6 

include any capital costs associated with the development of the additional generation or 7 

pipeline capacity.  The Base Case repeats the results shown earlier in Figure 7, where the 8 

incremental value of each additional 0.20 bcf/day of pipeline capacity is shown. 9 

   10 

Figure 11 Energy Costs to New England Electricity Consumers Under of Various 11 
Alternatives to Pipeline Expansion ($ per Calendar year) 12 

 13 

 14 
 15 
 16 

As might be expected, the addition of either 1,000 MW of new wind generation or 1,000 17 

MW of new solar PV provides only small incremental energy savings and only a fraction of the 18 

Added MCF/day Base Case New Wind New Solar Baseload HQ New Nuclear

0 7,945,735,821$        7,408,949,256$      7,478,762,711$      6,595,822,070$      6,682,181,613$     

200 7,255,844,755$       

400 6,664,449,979$       

600 6,196,962,991$       

800 5,779,395,509$       

1000 5,495,438,821$       

1200 5,263,210,225$       

1400 5,087,525,805$       

1600 4,977,290,940$       

1800 4,865,818,772$       

2000 4,787,981,865$       

2200 4,737,078,172$       

2400 4,705,966,963$       
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benefits that can be realized through expansion of natural gas pipeline capacity.  Each provides 1 

less incremental savings than the first 0.20 bcf/day of incremental natural gas pipeline capacity.  2 

This is because each of these two types of generation is intermittent and produces a relatively 3 

low amount of energy for each installed MW of capacity – that is, each operates with a 4 

relatively low annual capacity factor.  Incremental HQ hydro (which we assume operates at 5 

essentially a 100% capacity factor) and nuclear generation provide the equivalent benefits to 6 

New England electricity consumers of an incremental 0.40 bcf/day of natural gas pipeline 7 

expansion, i.e., a benefit roughly equivalent to that provided by the AIM expansion and the 8 

TGP Connecticut expansion combined.   9 

Based upon recent history, we believe that it is more likely that New England will have 10 

less rather than more nuclear capacity over the next 20 years, which will exacerbate the pipeline 11 

constraints, not relieve them.  While there is considerable support for additional HQ generation 12 

and the attendant transmission expansion, we note that there is also considerable opposition, 13 

e.g., the Northern Pass Project.  Further, we share other energy market analysts’ concerns that 14 

new HQ generation will be more costly to develop and transmit to the New England market 15 

than existing generation and is likely to cost more per MWh than the cost of incremental natural 16 

gas-fired generation, when the costs of transmission upgrades are included.  Also, we note that 17 

New England’s primary need for non-fossil-fuel generation is during the winter months, which 18 

is when electricity demands and prices in Canada are at their highest. 16 19 

 20 

                                                 
16 Black & Veatch expressed some concern over whether Canadian hydro would be available when most needed in 
New England in the winter and in light of a tightening demand-supply balance in Canada.  “The fact that the 
Canadian market which is to be the source of the energy is a winter peaking market may limit the energy imports 
offered to New England during the winter months when gas infrastructure is most constrained …”  Black & 
Veatch, 2013 at page 36. 
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Q. This past winter was an abnormally cold winter.  With global warming, is there a 1 
risk that New England winters will become less severe, thus reducing the demand 2 
for natural gas which will alleviate the pipeline constraint? 3 

 4 
A. As we have stressed earlier in our testimony, our model and results are based on the 5 

“normal” winter of 2013, rather than the colder more extreme winter of 2014.  To the extent 6 

that New England winters trend warmer over time due to climate change, the value of 7 

incremental pipeline capacity will fall, all other things being equal, because there will be fewer 8 

hours when LNG, propane or oil are on the margin in the electricity market.  However, even the 9 

most dire predictions of global warming place the time scale over which significant temperature 10 

increases will occur in the decades, which is far longer than the payback period for any natural 11 

gas pipeline capacity expansion under discussion.   12 

 13 

Q. Do you believe that what is occurring between Russia and Ukraine and Russia as a 14 
natural gas exporter, more generally, presents risks to the economic benefits New 15 
England’s electricity consumers would realize from natural gas pipeline capacity 16 
expansion? 17 

 18 
A. There have been a number of suggestions recently that Russian geopolitical ambitions in 19 

Eastern Europe can be tamed by a large increase in the export of U.S. LNG to Europe and or 20 

Ukraine.  We believe that these suggestions are more political than practical.  If this 21 

undertaking is to be financed by private investment, the price charged for exported LNG must 22 

be sufficient to cover the cost of U.S. natural gas, plus the price of transportation to the 23 

liquefaction facility, the cost of liquefaction, the cost of shipping the LNG to Europe or Ukraine 24 

and the cost of regasification, plus a reasonable risk adjusted return on investment, and must be 25 

backed by a long-term contract with a counterparty that has the capacity to pay.  This is a tall 26 

order, especially if the counterparty is Ukraine. 27 
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Further, because Russia has nearly unlimited gas reserves and because Russia manages 1 

its gas exports on a strategic basis, it can readily undercut the price that the U.S. LNG supplier 2 

would require.  This increases the risk premium to the U.S. LNG developer, which in turn 3 

makes it easier for Russia to undercut the offer.   While government can use taxpayer funds to 4 

shortcut the market process, the U.S. has no real history of doing this strategically.  To date the 5 

most significant intervention in the energy market in the U.S. was the strategic petroleum 6 

reserve.  This was not easily accomplished and was a small leap in comparison to an energy war 7 

with Russia over its vital interest in both gas and the politics of an immediate neighbor.   8 

 9 

Q. One risk that is frequently identified is the risk to Maine of “going it alone”, i.e., 10 
acting independently of the rest of New England.  Please comment on this risk. 11 

 12 
A. Any benefits in the electric market from increased natural gas pipeline capacity will be 13 

distributed across all of the New England states, the Province of New Brunswick and to a lesser 14 

extent the Province of Nova Scotia.  Maine represents approximately 8% of New England’s 15 

annual electric energy consumption and even less when the two Canadian provinces are 16 

included.  The issue this raises is that if Maine enters into a long-term private contract for 17 

incremental natural gas pipeline capacity, Maine electricity consumers (or perhaps a broader set 18 

of Mainers to include natural gas consumers) will pay 100% of the cost of the incremental 19 

natural gas pipeline capacity while receiving only a small fraction of the benefit.  This creates a 20 

potential “free-rider” problem that can stymie individual actions by relatively small consumers 21 

such as the State of Maine. 22 

Our modeling indicates that there are no scenarios in which the New England region as a 23 

whole will not receive benefits from any Maine investment in expanding natural gas pipeline 24 

capacity into New England, since there is no mechanism for Maine to capture the broader 25 
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benefits that the region will receive.  However, absent some mechanism to redistribute either 1 

the costs of incremental pipeline capacity or the region-wide benefits of such capacity back to 2 

Maine, under virtually all scenarios Maine’s share of the region-wide benefit is less than what 3 

we estimate to be the costs of that incremental capacity.   4 

Since modeling this type of relationship is an exercise in game theory rather than 5 

economics, we do not attempt to quantify each of these scenarios.  What we do know, however, 6 

is that because the region-wide benefit is always positive and significant, it is always possible 7 

for the New England region to make an arrangement with Maine to hold Maine harmless to the 8 

cost of incremental capacity while allowing Maine to share in the economic value of that 9 

capacity.  This can be accomplished in a number of ways.  One option is for New England 10 

(ISO-NE, the states, acting individually, the LDCs) to buy back Maine’s investment at such 11 

time as New England proceeds with its own investment in natural gas pipeline capacity 12 

expansion, or alternatively, by providing Maine a credit for its investment costs against what 13 

Maine would otherwise have to pay as part of Maine’s share of the socialized regional 14 

investment in incremental pipeline capacity.   15 

 16 

Q. Please summarize your conclusion about the risks of investments in new natural 17 
gas pipeline capacity into New England. 18 

 19 
A. The central feature of any investment in new natural gas pipeline capacity into New 20 

England that distinguishes it from many other investments that have been made in the electric 21 

utility industry is the immediate and substantial dollar value of the benefits such investment will 22 

provide the region’s electricity consumers.  Our analysis places this benefit at over $3 billion a 23 

year for investments in an incremental 2 bcf/day of pipeline capacity.  This estimate is not 24 

based on twenty or thirty year forecasts of energy market conditions that are inherently volatile 25 
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and difficult by their very nature to forecast, such as the 30 year oil price forecasts that provided 1 

the foundation for investments in nuclear plants such as Seabrook and Shoreham or on 2 

excessively high forecasts of peak load growth that underwrote the $1.45 billion MPRP and 3 

billions of dollars of other electric transmission throughout the region.  Rather, the estimated 4 

benefits are based on current market conditions, and before any of the potential risk factors will 5 

come into play, the investment will have paid for itself many times over. 6 

 7 
In our study we have attempted to model the incremental benefits that accrue to the 8 

region and to Maine from incremental pipeline investments and have created an effective 9 

marginal benefit curve.  If we had a corresponding marginal cost curve for incremental 10 

capacity, then the only factor missing would the appropriate discount rate or payback period in 11 

order to determine the optimal quantity of capacity to purchase on a regional and Maine basis.  12 

However, we are reluctant to make estimates of the costs of various pipeline options, as that is 13 

not an area of expertise for us, because some might inappropriately use the estimates and our 14 

resulting cost/benefit conclusions.  The Commission will have such actual pipeline proposals, 15 

not later than Phase II, and is quite capable of performing the analysis.  Indeed, the Commission 16 

routinely performs, energy investment cost/benefit analyses without the need for an 17 

adjudicatory process and we do not believe one is required or necessary for this task.   18 

We believe an appropriate payback period to use is five to ten years.  While this is a 19 

short period to use for a public infrastructure investment, such a short period helps to limit any 20 

risk the investment may pose.  We are confident Maine can invest successfully in concert with 21 

others under circumstances the Commission is fully capable of apprising.  The Commission 22 

must have the latitude to make this decision, subject only to the consent of the Governor as 23 

required by the Energy Cost Reduction Act. 24 
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 1 
 The only risk that we believe the Commission should weigh is the risk associated with 2 

Maine acting on its own.  Maine could mitigate the risk of acting unilaterally to enter into a 3 

long-term contract to purchase incremental natural gas pipeline capacity by securing firm 4 

commitments from the other participants, beneficiaries or developers to hold Maine harmless to 5 

such an investment should one or more other states or the region as a whole follow Maine and 6 

enter into long-term contracts to purchase additional incremental pipeline capacity. 7 

 8 

 9 

7 CONSEQUENCES OF HIGH GAS PRICES ON MAINE BUSINESSES 10 

 11 

Q. In your opinion, have high winter natural gas prices had an impact on Maine 12 
businesses? 13 

 14 
A. Yes, although the impact has been different depending on the type of business and the 15 

markets in which the businesses operate. 16 

 17 

Q. Please explain why the impacts differ by business? 18 
 19 
A. There are a number of factors that determine the impact that high winter gas prices have 20 

on Maine businesses, four of which are primary and which we note and discuss in our testimony 21 

– (a) whether the business is energy intensive and uses a significant amount of natural gas 22 

and/or electricity per unit of output or activity; (b) whether the business has alternatives to 23 

natural gas that it can use if natural gas prices are very expensive; (c) whether the business 24 

operates in markets that are competitive and where its competitors face lower natural gas prices 25 

than those in Maine; and (d) whether the business is able to withstand extended periods of 26 

shutdown without threatening business relationships with its suppliers and customers. 27 
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 1 

Q. Have you done any studies that have determined the impact of high natural as 2 
prices on Maine businesses? 3 

 4 
A. No, we have not.  The impact information we have is specific to certain customers that 5 

been reported in the press this past winter.  We have provided a compendium of such articles 6 

and reports in Exhibit CES-3.  It is clear from these articles that the near-term impact of high 7 

natural gas and electricity prices on Maine businesses is severe, and if they continue unabated 8 

will be devastating for many of Maine’s most important employers and engines of growth. 9 

 10 

8 PARAMETERS OF COMMISSION DECISION-MAKING 11 

 12 
Q. Do you have any comment on the questions raised by the Commission in its Notice 13 

of Investigation and Procedural Orders concerning the parameters of its decision-14 
making in this proceeding. 15 

 16 

A. We have tried to respond to many of the issues raised by the Commission in our 17 

testimony.  In addition, we do have a few additional comments.   18 

 19 

Q. Is there a minimum cost-benefit ratio that the Commission should require? 20 

 21 

A. On its face, the statute requires the Commission to find that the “overall costs of the 22 

contract are outweighed by its benefits” and that the contract be “be economically beneficial to” 23 

utility consumers.  We have recommended requiring a payback to consumers of five to ten 24 

years.  This is a short payback period for a public investment.  This embodies a higher standard 25 

of prudence because the period of the investment is up to twenty years.  In other words, rather 26 

than showing a net consumer benefit over twenty years, the benefits over ten years, for 27 
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example, must outweigh the costs over twenty years.  The result of this approach is that the 1 

Commission must determine it is reasonably likely the net benefits over ten years will outweigh 2 

the costs over twenty years.  This provides a high degree of certainty of consumer benefit.  3 

 4 

Q. What standard of proof should the Commission apply in evaluating whether the 5 
criteria set forth in Section 1904(2) are satisfied? 6 

 7 

A. The statute specifically requires the Commission to use “reasonably likely” as the 8 

standard of proof.  This is a legal question, and we will defer to argument by counsel, but we 9 

observe that any investments that have pay back periods in the 5 to 10 year range and where the 10 

risks to that pay back occurring are small as we have argued in a prior section is, from an 11 

economic perspective, “reasonably likely”. 12 

 13 

Q. Should the Commission pursue agreements with or for generators, manufacturers 14 
or others to backstop or guaranty a contract? 15 

 16 

A. No.  The Act does not explicitly direct or authorize the Commission to seek or to 17 

employ such backstop arrangements.  Although it does not explicitly prohibit such actions 18 

either, the Legislature’s omission of these provisions suggests that it intended and expected the 19 

Commission to act without seeking such backstops.  Indeed, the Act reflects a philosophy of 20 

collective action through State involvement that is necessary and appropriate as an alternative to 21 

relying on individual customers’ credit.  Further, the lack of creditworthiness of gas generators 22 

has been asserted to be a hindrance to proposals to require generators to make reservations 23 

directly.  Finally, negotiating such arrangements with multiple parties is likely to be a highly 24 

complex commercial exercise that would only serve to delay or unnecessarily complicate the 25 

Commission’s ability to complete a transaction.  The preferred path forward is to avoid this 26 
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unnecessary complication.  We note that in all cases, the Commission will not itself “use” the 1 

gas.  The natural gas that flows on the incremental capacity will be placed into either a capacity 2 

release arrangement or sold in the secondary market for use by end users such as generator, 3 

LDCs or manufacturers or provided to the same through natural gas marketers. 4 

 5 

Q. In its Order Part 2 – Schedule and Scope, the Commission seeks comment on 6 
whether market rule changes at the regional and federal levels will achieve 7 
substantially the same cost reduction effects in the same time frame for Maine 8 
consumers as would the execution of an ECRC contract.  Please comment. 9 

 10 

A. The answer here obviously depends in part on the specific contract.  However, as we 11 

noted, there is no apparent likelihood of such market rule changes either occurring in the near 12 

future or, if they were to occur, that they would have a particular effect on the New England 13 

basis differential.  The former conclusion is supported by the extensive activities already 14 

undertaken by the Commission as recited in the Order Part 2 – Schedule and Scope. 15 

 16 

Q. In its Order Part 2 – Schedule and Scope, the Commission also seeks comment on 17 
whether private transactions will occur in the same timeframe and achieve 18 
“substantially the same cost reduction effects” in the same time frame for Maine 19 
consumers as would an ECRC.  Please comment. 20 

 21 

A. The only private transactions for incremental pipeline capacity that are occurring or that 22 

will occur in New England are those undertaken by local natural gas utilities on behalf of their 23 

captive customers.  Since these contracts are backstopped by the LDCs’ customers through 24 

PUC regulations in the various New England states, the difference between them and a 25 

commission’s directly entering into such contracts is a matter of form not substance. 26 

 As to whether or not individual end users other than LDCs will enter into similar types 27 

of long-term capacity contracts with pipeline developers, we believe the answer is that they will 28 
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not, because they cannot.  No private end user will enter into a contract where virtually all of 1 

the monetary benefits from such contracts flow to the broader market and are not capturable by 2 

the individual end user.  This is simply a restatement of the economic phenomenon known as 3 

the “tragedy of the commons”.  Further, in this particular case, even if the end user might be 4 

willing to enter into such a contract, its creditworthiness as a counterparty in such a contract 5 

would be suspect, rendering the value of such willingness essentially useless to the pipeline 6 

developer.  While there are a few exceptions to this, such as highly endowed private colleges in 7 

the region and a few investment grade private companies, the total natural gas consumption of 8 

these entities is simply not large enough to make a difference in the market.  Other exceptions 9 

include state institutions and other governmental entities; but their contracts are only as good as 10 

the government backstop provided by the respective state.  This is again an issue of form rather 11 

than substance. 12 

 13 

9 CONCLUSION 14 

 15 

Q. Does this conclude your Direct Testimony? 16 
 17 
A. Yes. 18 

19 
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10 EXHIBITS 1 

 2 
Exhibit CES-1  “Assessing Natural Gas Supply for New England for the Winter 3 

of 2013-14 and Its Impact on Natural Gas Prices and Electricity 4 
Prices,” April 5, 2013 5 

 6 
Exhibit CES-2 “Assessing Natural Gas Supply Options for New England and 7 

their Impacts on Natural Gas and Electricity Prices,” February 7, 8 
2014. 9 

   10 
Exhibit CES-3 Compendium of newspaper articles and citations reporting the 11 

impact of high winter natural gas and electricity prices on 12 
businesses in Maine and New England 13 

  14 


